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Abstract 

We examine different scenarios with large amounts of intermittent generation 

to achieve close to a 100% renewable electricity market in New Zealand. We 

use a cost based dispatch model to simulate market prices. Previous modelling 

has estimated electricity prices using the Long Run Marginal Cost approach. 

Our study is the first to model market prices explicitly, for scenarios with close 

to 100% renewable electricity, to see if the “energy only market” revenues are 

enough for investment cost recovery. Our modelling suggest that large 

amounts of wind on its own are better than mixed wind and solar scenarios. 

We also see a collapse in spot prices, as we get very close to 100% renewable. 

These prices are well below those needed to cover investment costs. We argue 

that there should be a market design change to a design that that includes direct 

payments for capacity, as well as for electricity output, to ensure investment 

cost recovery. 
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1. Introduction 

The New Zealand government parliament recently passed the Climate Change Response 

(Zero Carbon) Amendment Act, which formalises its intention to have net zero emissions for 

all greenhouse gases except for biogenic methane by 2050 (Ministry for the Environment, 

2019). Several studies commissioned by the government examine how the net zero carbon 

target could be achieved (New Zealand Productivity Commission, 2018; Sapere, 2018; 

Transpower, 2018; Concept, Motu and Vivid, 2018a and 2018b). Whilst the different 

scenarios differ in the details, all envisage zero or near zero emissions from the electricity 

sector, with transport and other energy users moving away from fossil fuels to electricity. 

There are also substantial land use changes with less dairy and more forestry.  

Whilst the Climate Change act has clear goals, there is little current government policy to 

achieve these. The only substantive policy change is to the Emissions Trading Scheme (ETS), 

amended from an intensity-based scheme to one with a hard cap. Initial settings are for a 

reduction of 3% a year until 2025.  

New Zealand already has substantial renewable electricity generation with large hydro 

resources - currently renewable generation is around 83%. As a step towards net zero carbon 

by 2050 the government has set a target to have 100% renewable electricity generation by 

2035 (Evans, 2019). A number of recent studies describe scenarios to deliver 100% or close 

to 100% renewable generation in 2035 (Transpower, 2018; MBIE, 2019; and ICCC, 2019). In 

this paper, we also take, as a starting point, the goal of a near 100% renewable electricity grid 

by 2035.  

The aim of the present work is to analyse the impact on the New Zealand Electricity Market 

(NZEM) of high renewable scenarios such as those described above. All of the studies quoted 

above estimate electricity prices for the different scenarios based on the Long Run Marginal 

Cost (LRMC) of supply. Our contribution is to calculate the spot market price using a cost 

based dispatch model for different very high renewable scenarios.  

In equilibrium, capacity should adjust so that the average spot market price equals LRMC if 

the market is competitive (Stoft, 2001).  However, the models cited above do not explicitly 

check to see if this is the case. If the average spot market price is below the LRMC then 

investment may not be forthcoming. The New Zealand electricity market is an energy only 

market, which means that investment costs need to be recovered via spot market revenue.  

Since new intermittent generation has very low marginal costs, there is some concern that the 

spot market prices may be too low for investment cost recovery with the current market 

design. Our first research question is; are average spot market prices high enough to sustain 

the needed investment. 

Our second research question is which of the very high renewable scenarios work the best, 

and the contribution solar PV can make to a low emission NZEM. We are also interested in to 

what extent the existing hydro lakes act as a battery to smooth out seasonal and daily 

imbalances, and whether increased solar output in dry years can offset lower than normal 
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inflows into the hydro lakes. Therefore, as seen below, our model keeps track of hydro 

dispatch and tracks lake levels throughout a given year. We are also interested in whether it is 

optimal to have a mix of wind and solar generation. 

 The Long Run Marginal Cost (LRMC) estimates of electricity prices predict these will 

increase for high renewable scenarios. For example, ICCC (2019) expect prices to increase to 

around $110/MWh compared to current prices of approximately $80/MWh, whilst Sapere 

(2018) predict prices between $90 to $140/MWh by 2050. The expected increase in LRMC 

relates to the intermittency of the new renewable supply. For example with a lot of wind 

generation there is a risk that when demand is highest (peak demand) there is very little wind, 

which means to cover demand there will need to be some wind farms which operate only 

when there is little wind and demand is high which pushes the LRMC up1. This is termed 

overbuild – to always meet supply there needs to be a large amount of wind capacity, some of 

which is redundant most of the time.  As well as increasing costs, overbuild leads to a risk, 

when the wind is blowing, that large amount of generation with very low marginal costs drive 

prices frequently to zero.  

In such an environment, Transpower (2018) expresses concern that investment costs may be 

hard to recover: 

If a large volume of capital investment is made in wind, solar and geothermal generation 

capacity, then thermal plants would be needed less frequently, leading to market prices 

being determined by the marginal costs of the renewable producers. These prices will be 

lower than the marginal costs of thermal producers, particularly if increasing carbon 

prices are factored into the mix. Under those circumstances, market prices would be 

much lower, and the expectation of materially lower prices has the potential to deter 

investment in the renewable generation capacity, creating a form of ‘investment 

gridlock’.” P51 

As the quote from Transpower above suggests, there is a tension  between on the one hand a 

higher share of intermittent renewable and must run geothermal and hydro (which both bid 

into the market at a price of zero), and on the other hand the increasing LRMCs reported 

above. As discussed above we investigate these questions by simulating market prices 

directly, rather than using LRMC to estimate prices. 

Transpower (2018) envisages significant amounts of solar, as part of the mix, which leads to 

oversupply in summer and undersupply in winter, as electricity demand peaks in winter in 

New Zealand. Winter is also the time that the hydro lakes are lowest, as precipitation falls as 

snow in much of the catchment areas and does not contribute to inflows. In spring and 

summer, the snow melts, exacerbating the seasonal imbalance. Hydro generation is about 

60% of total generation, so the seasonal imbalance is an important issue.  

There are three reasons for considering scenarios with large amounts of solar as well as large 

amounts of wind. Firstly Transpower are bullish on the contribution that solar PV can make 

to a near 100% renewable grid (Table 1). Secondly solar and wind generation together allow 

                                                           
1 The LRMC of intermittent generation in these reports is the price needed to cover investment costs and 
running costs when the plant is operating (sometimes known as the levalized cost of electricity).This is slightly 
different to the average price of electricity, which is theoretically the LRMC of baseload. 
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for more diversity in intermittent supply, as their generation is likely to be uncorrelated, 

which is important for resource adequacy (Bett and Thornton, 2015; Hoicka, and Rowlands, 

2011). The third is that with substantial cost decreases there has been a significant increase in 

rooftop solar PV, albeit from a low base - so there may be an increase in solar output 

independent of any policy initiative of the government. Furthermore, the electricity price 

increases expected, combined with further cost decreases for solar panels, could accelerate 

the trend – the so-called utility death spiral. We are also interested in understanding whether a 

mixture of solar and wind, does better in terms of dispatch costs over the course of a year 

than scenarios with mainly solar or mainly wind generation. 

The generation mix for the different proposed scenarios described above are summarised in 

Table 1. For comparison, we also include the generation mix for one of our scenarios 

(Solar/Wind) which we describe in more detail below. As discussed above we are particularly 

interested in how the market might work with large amounts of intermittent renewables, so 

we constrain our renewable scenarios to realise this. Our scenarios (at 37% intermittent) are 

closer to those of Transpower (2018) with 35% intermittent generation, than those of MBIE 

(2019) and ICC (2019) which have around 23% intermittent generation (see Table 1 below) 

 

Scenario 
MIBE 
(2019) 

ICCC 
(2019) 

Transpower  
(2018) 

Solar/Wind 

Wind 18% 19% 16% 24% 

Gas 9% 0% 5% 4% 

Geothermal 30% 28% 20% 14% 

Hydro 40% 49% 40% 45% 

Solar 3% 4% 19% 13% 

Renewable 91% 100% 95% 96% 

TOTAL 
(TWh) 

48 49 66 49 

 

Table 1: Energy Generation for near 100% renewable electricity scenarios. 

 

All of the scenarios considered by the various studies quoted above have almost zero 

marginal cost for the increased renewable generation. This leads in the short run to the ‘merit 

order effect” whereby high cost thermal generation is displaced by the low cost renewable 

generation, which lowers the marginal cost of the last unit dispatched and hence lowers prices 

in a competitive market. See for example, empirical studies for Germany (Ketterer, 2014; 

Würzburg et al. ,2013; Cludius et al. ,2014),  Denmark (Munksgaard and Morthorst , 2008), 

California  (Woo et al. ,2016),  Australia (Forrest and  MacGill, 2013), and the Spanish 

market (Gelabert et al. ,2011).  These studies find strong evidence that the merit order effect 

lowers prices in the short run and some evidence that the merit order effect decreases with 

time as the capacity mix adjusts.  
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Economic theory suggests that the merit order impact on prices will be less in the long run, as 

the capacity mix adjusts (Stoft, 2001) to ensure plants cover their running and investment 

costs. If the market is competitive than prices will equal the marginal cost (MC) of the last 

generator dispatched with one exception. If all units are running at full capacity than prices 

will be pushed up above the MC of the highest cost peaker plant during scarcity events, as the 

demand curve intersects the vertical supply curve above the MC of the peaker. If there is 

limited demand response however, there may well be rolling outages with the price set at the 

Value of Lost Load (VOLL). This is particularly pertinent with large amounts of intermittent 

renewable generation since the volatility of output makes it difficult to avoid VOLL scarcity 

events without a dramatic reduction in average prices via the merit order effect.  

A number of studies investigate the market impact of increasing amounts of intermittent 

renewable electricity replacing thermal generation, using similar methodologies to our study, 

whereby the capacity mix adjusts in the long run. Frew et al. (2016) model the ERCOT 

market in Texas and find that there are instances when generators do not receive enough 

revenue to cover costs with established reliability constraints. They suggest that there may 

need to be a different market designs to achieve these twin goals. Martinez-Anido, Brinkman, 

and Hodge (2016) simulate the New England electricity market for increasing amounts of 

wind penetration and find electricity prices decrease and volatility increases with wind 

penetration. Helistö, Kiviluoma, and Holttinen (2017) reach similar conclusions for the 

Northern European market.  

In the New Zealand context, work that analyses high renewable possibilities include Masson 

et al. (2010) who examine a scenario with 100% use of clean resources - including substantial 

new wind, hydro, geothermal and biomass to generate electricity. However, their study 

neglects solar generation, although it is likely to contribute in the near future. Furthermore, it 

assumes current demand patterns, which are significantly less than those expected by 2035. 

Browne, Poletti and Young (2015) examine the impact of increased wind generation on price 

volatility and market power, although, they do not analyse the effect of increased intermittent 

wind generation on hydro lake storage and security of supply, and do not include solar as part 

of the mix. Other papers focus on a correlation analysis between wind and hydropower (Bull, 

2010 and Suomalainen et al., 2015). Papers that discuss solar in the New Zealand context 

include White et al. (2013) which calculates a possible feed in tariff rate, and Byrd et al 

(2013) which maps out the solar PV potential for the city of Auckland. Miller et al. (2016) 

estimate that eventually installed solar capacity in New Zealand could be as high as 5.5GW. 

To put this in context the current peak demand in New Zealand is about 6.5GW. Transpower 

(2019) have a much higher estimate for the potential for rooftop solar of 11 GW today rising 

to 27 GW by 2050. 

We start in section 2 by presenting simple statistics to understand the resource potential of 

intermittent solar and wind. In section 3, we describe our methodology, and develop market 

simulations for scenarios with different amounts of solar and wind. The aim is to understand 

how the statistical relationships identified in section 2, leads to different market outcomes 

with different amounts of solar and wind in the mix. We model market outcomes for two 

years – one where there are large inflows into the hydro lakes and one where these inflows 

are low.  In section 4, we present our results. We will see that although renewable generation 

is high it falls short of the government’s target of 100%. In section 5, we extend the scenarios 
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to achieve renewable generation of almost 100%. Finally, in section 6 we draw some 

conclusions. 

Our study is the first spot market simulation of the impact of high penetration of wind and 

solar for close to 100% renewable scenarios. Previous studies estimate prices using LRMC 

without directly simulating spot prices. We show that scenarios with substantial wind 

generation work better than those with a mixture of solar and wind.      We shall see that as 

the level of renewable generation gets close to the 100% target, prices end up far below levels 

needed to recover investment costs. We argue that the implication of our modelling is that the 

energy market needs to be redesigned to ensure revenue adequacy.  

 

2. Indicative Statistics of National Solar, Wind, Demand and Hydro Inflows.  

New Zealand has reasonably good solar resources. The accumulated average, yearly, solar gain 

for New Zealand is around 1400 kWh per square metre (Transpower, 2019), which sits between 

Germany and Japan (countries with large installed solar capacity) with around 1000kWh/year 

and desert regions in California, Australia and Africa with 2100-2400 kWh/year.   

The solar data that we use in this study is from National Institute of Water and Atmospheric 

Research (NIWA, 2014). It is hourly measurements in MJ/m2 from 2002 to 2013. The raw data 

is used to calculate rooftop solar generation for the ten biggest cities in New Zealand using the 

Olmo et. al. (1990) model (Appendix A1). Here we consider national output defined using 

weights based on installed capacity for the 10 biggest cities as of 2016 (Electricity Authority, 

2016a). The solar panels are assumed to be north facing with an inclination angle chosen (for 

each location) to maximise total solar generation over the year.  

Average national average monthly capacity factors for solar (Figure 1) illustrates a clear 

seasonal pattern. Output reaches its maximum in summer (23%) and minimum in winter 

(11%). Also plotted on the chart is average daily demand for each month in 2010 illustrating 

the winter peak - which coincides with low solar capacity factors.  

 

 

Figure 1. National average monthly solar power availability and average daily demand. 
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There is less solar potential in winter due to a number of factors. The first is that there are 

significantly fewer sunlight hours in winter. As well, even when the sun is out it is at a lower 

angle in the sky with less direct incident solar power. The third factor is that the weather in 

winter is cloudier which also diminishes solar generation. New Zealand demand peaks in 

winter, which suggests, in the absence of battery storage, solar power is not available when 

most needed. On the other hand, demand is higher during the day than at night, which is 

factor which favours solar deployment.  

To understand the relationship between solar output and demand we use demand data for the 

years 2003-2013 from the Electricity Authority (2016b).  Following an approach suggested 

by Sinden (2007) for wind, demand data is matched with the solar output (capacity factor) for 

each time period, and then arranged from lowest to highest demand (Figure 2(a)). There is a 

strong correlation between demand and solar availability until approximately the 80th demand 

percentile when there is a steep decline in the solar capacity factor. During the highest 

demand periods solar is less and less available. For the top 10 percent of demand periods the 

average capacity factor is only 18%. This reflects the fact that the highest demand periods 

tend to be during the evening peak in winter, either just before or after sunset. 

There is also some variability across years. Over the 10 year period analysed average solar 

capacity factor ranges between 0.17 and 0.2 with the long run average of 0.18. The annual 

variability is potentially a concern, although as seen there is at least some offset with low 

hydro inflows associated with high solar capacity factors.  

New Zealand also has good wind resources with relatively high capacity factors (For example 

Suomalainen, Pritchard, Sharp, Yuan, and Zakeri, 2015). Previous studies on wind resource 

quality have often relied on the NIWA (2019) synthetic data set. However the data is only 

over four years and potential wind farm sites are reported as only being somewhere in a broad 

geographical area.  

Recently Poletti and Staffell (2019) analysed the wind resource potential for a large number 

of actual and proposed sites in New Zealand over the 20-year period 1996-2016, using a 

reanalysis of NASA’s MERRA data. They find that some variation in average hourly 

capacity factors by season. However, it turns out that the graph of simulated average capacity 

factors for all simulated windfarms for the different demand percentiles is almost flat at the 

average capacity factor of about 41%. This means that wind is more likely to be available 

during high demand times than solar (Figure 2(b)). 
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(a) Solar Capacity factors and demand: 

 

 

(b) Wind Capacity factors and demand: 

 
 

Figure 2: “Sinden” plots of capacity versus demand percentile for (a) Solar output over 10 years (b) 
simulated wind output over 20 years.  The thick line and shaded area show the mean wind CF 
plus/minus one standard deviation for each percentile of demand; the thinner lines show the 
extremes. Source (b): Poletti and Staffell (2019) 

Figure 3(a) compares the existing and  proposed wind farm generation over the 20 years of 

simulated data. The yearly average data shows considerable variation – between 36%-45%, 

as does the monthly data. So one of the factors that comes into play when considering 

renewable scenarios is the wind output volatility, on an hourly, daily and seasonal basis.  

Figure 3(b) shows the monthly average capacity factors for wind and solar. Figure 3(b) also 

shows the average monthly controlled hydro storage, which is at a minimum in late winter. 

At first inspection, the capacity factor for solar capacity falls in sync with lake storage levels 

in the period leading up to the end of winter, which is clearly not ideal. On the other hand, 

there is some suggestion that wind generation is highest when lake levels are at their lowest. 

One of the questions we will investigate is whether solar and wind can, to some extent, 

complement each other and how they interaction with the hydro generation profile.  
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Figure 3: Modelled average capacity factors for the current and proposed fleets, showing annual 

averages (left), and the monthly averages over 20 years of data for wind and ten years for solar with 

hydro storage (right). Source: Poletti and Staffell (2019). 

The hydro dams have only limited storage – approximately 6 weeks generation at normal 

usage rates if there are no inflows. During dry years, there are lower than normal inflows in 

the period leading up to winter, when the need for generation is highest. As noted above 

during winter, much of the precipitation falls as snow so inflows are low until the snow melts 

in spring. During dry years  hydro generation is reduced during the months leading up to 

winter to conserve hydro generation potential, which leads to water having a scarcity value 

and higher electricity prices (Tipping and Read, 2010). Figure 3(b) illustrates the 2008 dry 

year event. Lake levels were extremely low the whole year reflecting low inflows and 

reduced hydro generation.  

Following the “dry year” event in 2008, the New Zealand Electricity Authority 

commissioned an external review of dry year risk management (Isles and Hunt, 2008). The 

review identified a key period, when considering dry year risk, of accumulated inflows into 

the storage dams from early November to mid-June.  

The graphs in Figure 4 are scatter plots of cumulative inflows during this period compared to 

cumulative solar and wind output during the same period.2 The assumed wind capacity is 

6500 MW – the maximum considered here. The installed solar capacity of 5800 MW is also 

the highest solar capacity we consider in this paper. Ideally, it would be nice to see increased 

wind and solar output during “dry years”, offsetting reduced hydro generation.  

Unfortunately, the correlation between accumulated inflows and wind is strongly positive 

(Figure 4(a)). A dry year is associated with reduced wind output. From a system perspective, 

this is a serious problem. A dry year might see 2 TWh less inflows than average. With 6500 

MW of installed wind capacity there would be a further decrease of 2 TWh of accumulated 

wind output compared to an average year. 

                                                           
2 Inflow data is from the Electricity Authority website. 
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Figure 4(b) is a scatter plot of accumulated inflows compared to accumulated solar output 

during the key period described above. There is negative correlation – dry years tend to have 

more accumulated sunshine. This means that potentially increased solar generation could 

offset the lower hydro generation during dry years. However, the variation in solar inflows is 

considerably less than the variation in inflows (and of wind).  

 

 

 
 

 

Figure 4:(a) (top) Accumulated inflows against accumulated wind energy 1997-2016 with 6500 MW 

of wind capacity . Wind data is from Poletti and Staffell (2020) and (b) (below) accumulated inflows 

against accumulated solar energy 2003-2012 with 5800 MW of solar  capacity.  
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New Zealand also has very good geothermal resources. Geothermal is cost competitive in 

terms of new supply with many of the new plants commissioned over the last few years being 

geothermal. Geothermal generation as well as intermittent wind and solar will need to 

increase over the next few decades to achieve the 2050 target. For example Walmsley et. al. 

(2014) suggest that the best way that New Zealand can achieve a high degree of renewable 

generation (95%), to meet expected annual demand in 2050, is by adding significant wind 

(18TWh) and geothermal (13TWh). 

   

3. Market Simulation: Methodology 

To understand the overall impact on the market of high renewables we begin by considering a 

number of scenarios with large amounts of wind and solar generation. The discussion above 

highlighted a number of questions, which we hope to investigate. For example which 

combinations of wind and solar could work best together to mitigate dry year risk. To gain an 

understanding of the interaction of the intermittent renewables with hydro under “dry” and 

“wet” we use climatic data from 2006 which was a dry years and a wet year (2004) with 

demand from each year scaled upwards for each, using projections for 2035 by the Electricity 

Authority (2019)3.  

Our approach here is to specify a number of medium and high intermittent renewable 

scenarios to deliver close to 100% renewable generation in 2035.4 The renewable scenarios 

we impose are not enough to cover anticipated demand, so we use a Generation Expansion 

Model (GEM) to “choose” the remaining capacity needed in the most cost effective way. We 

impose a constraint on the generation expansion model, so that the ratio of capacity to peak 

demand is the same as the current market. Browne et al. (2015) find that without this 

constraint GEM tends to build too much intermittent capacity forcing market prices down to 

unrealistic low levels. 

For the high renewable scenarios, the extra capacity is a mix of peakers and Demand Side 

Response (DSR). For the medium renewable scenarios, GEM also builds new geothermal 

capacity.  

We specified three different levels of wind capacity: 1500MW, 4000MW and 6500 MW. The 

1500MW scenario is the reference baseline scenario, as this is the expected wind capacity in 

2035. For some scenarios we replace some of the wind capacity by solar so that total 

expected energy output over the year remains the same. For the “Solar” scenario, we start 

with the 4000MW wind, take 2500MW away and replace with the equivalent in solar 

capacity so that the solar capacity gives the same energy over the year as 2500MW of wind. 

We also construct a mixed “Solar/Wind” scenario starting from 6500MW of wind and 

replacing 2500MW of wind with the equivalent in solar. The scenarios with the highest 

                                                           
3 This is the latest version. We used an earlier version with similar projections (Electricity Authority, 2016). 
4 ICCC (2019) is of the view that to move from say 98% to 100% renewable would be prohibitively expensive, a 
view which we share. Thus, we allow some thermals, particularly peakers, in the mix. A 100% renewable target 
could be achieved with overbuild of intermittent generation, which would be extremely costly. Alternatively, 
the thermal peakers could run on bio-fuels. Studies suggest that the bio-fuel costs may be similar to fossil fuels 
by 2050 (Scion, 2018). 
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amount of intermittent generation are similar to the Transpower (2019) scenario in terms of 

the fraction of delivered energy from intermittent generation.  

The capacity expansion model we use is GEM ‘Generation Expansion Model’ developed by 

the New Zealand Electricity Authority (2016). The model takes as its inputs: expected 

demand, and generation operating and investment costs. It builds the lowest cost new 

generation capacity needed to meet expected demand subject to a few security of supply 

constraints5.  Almost all the capacity in our scenarios is either existing (hydro, geothermal or 

gas) or specified by our intermittent scenario choice. GEM completes the picture by 

“choosing” the small amount of extra capacity needed to ensure that the peak to effective 

capacity ratio is the same as the current market. We use the same GEM build of peakers and 

DSR for both the High Intermittent scenarios, as GEM does not model solar directly.6 

Similarly, both of the Medium Intermittent scenarios have the same mix of non-intermittent 

generation.  

Once we establish the capacity mix, we use a market “solver” to simulate market prices on a 

simplified representation of the New Zealand market with 19 nodes. 

 We include detailed information on line capacities and include announced plans for line 

upgrades. The generation cost data and network data used here are described in Young et. al. 

(2014).7 The “solver” solves for dispatch and wholesale prices based on marginal cost bids 

from the generators, with one exception, which is hydro where the bid also reflects the 

opportunity cost of water. The output is locational prices, dispatch, water values and lake 

storage levels. This approach, with no market power gives the socially optimum or 

competitive market outcome.  

One limitation of our approach is that we do not include battery storage, apart from the hydro 

lakes. This means that the model will likely have more hours where there are supply 

shortfalls than would be the case with batteries. In the first instance, if supply/demand is tight 

the marginal plant will be Demand Side Response (DSR), modelled as a virtual power 

station, offering in at $999/MWh. If there is a supply shortfall, we set the price to Value of 

Lost Load (VOLL), which, for New Zealand, we assume to be $3000/MWh8. The $3000 

price spike need not literally be due to outages. For example, there could be a second tranche 

of DSR, which offers in at this price, or the system operator could relax some of their security 

of supply constraints and set a price floor of $3000/MWh. Both of these potential price spikes 

help to recover fixed costs. It is likely that by 2035 there will be some household and utility 

level battery capacity, which would reduce both sources of revenue.  

                                                           
5 See Browne, Poletti and Young (2014) for the operating and investment costs used by GEM. 
6 Solar output has different features to wind output so if GEM modelled solar it would build a different mixture 
of peaking and DSR capacity. As will be seen the capacity factors of the peakers are higher with solar so it may 
well be that GEM would build more gas peakers and less DSR which would have a small downward impact on 
prices. However since the peakers are marginal only a small fraction of the time the overall impact on prices 
would be very small.  
7 We set the carbon price to be zero as in our view the NZ emissions trading scheme is weak and unlikely to 
generate a high price. In practice with very high renewable generation (over 95%) even a high carbon price 
would make little difference to these results. 
8 One of the recommendations introduced after the Ministerial review of the electricity market in 2009 was 
that a floor of $3000 be set for the spot market “during a conservation campaign or dry year power cuts”. 



13 
 

Following Tipping and Read (2010), we account for the opportunity cost of hydro generation 

during dry years by calculating a water value, estimated as a function of the lake level 

compared to the historically average lake level on that day. We use here the estimation 

procedure outlined in Young et al. (2014). Hydro generators submit bids to the wholesale 

market at the opportunity cost of generation represented by the water value with the 

exception of must-run hydro generation, which offers in at a price of zero. Must-run is about 

a third of the total hydro capacity and includes run of river hydro and minimum dam spill 

rates set by regulation to ensure there are minimum flow rates in the downstream rivers. The 

simulation model keeps track of generation outflows and inflows each day, updates the lake 

level, and calculates a new water value, which is used by the generators the following day. 

This allows us to capture the dynamic interaction of solar, wind, hydro and the electricity 

market over a year.  

The different intermittent scenarios are energy equivalent over the year but the distribution of 

output – both hourly and seasonal are quite different. So one way to think of our approach is 

to see which distribution of output from the intermittent renewables is most effective at 

meeting demand and ensuring security of supply. The different capacity mix for each 

scenario is summarised in Table 2. The Medium scenarios are effective capacity equivalent to 

4000 MW of wind while the High scenarios are effective capacity equivalent to 6500 MW of 

wind. 9 Appendix C lists the full set of generators used in the market solver for the 6500 MW 

scenario with all running and R&M cost assumptions. The cost assumptions are those used by 

GEM.10 

 

 
 

Hydro Geo Gas 
CCGT 

Gas OGT Diesel Cogen Wind DSR Solar Total  
D 

Total 

Baseline 4299 1327 954 260 1044 236 1500 518 0 8638 10138 
 

Med Wind 4174 1327 334 260 999 236 4000 518 0 7848 11848 

Med Solar 4174 1327 334 260 999 236 1500 518 5800 7848 15148 

High Wind 4083 754 334 260 893 236 6500 426 0 6986 13486 

High 
Solar/Wind 

4083 754 334 260 893 236 4000 426 5800 6986 16786 

  

Table 2. Generation mix (MW) for different scenarios. DSR is Demand Side Response, which offers 

into the market at a price of $1000/MWh. The column headed “D” is Dispatchable generation 

including DSR. 

 

 

                                                           
9 Capacity equivalent means Capacity multiplied by the capacity factor are the same. 
10 Full list of generators and cost assumptions used for the other scenarios are available on request from the 
authors.  
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The baseline scenario has just enough dispatchable generation to cover peak demand, which 

for the 2006 demand profile scaled to 2035 is 8383MW, however for the higher intermittent 

scenarios intermittent generation is needed contribute to peak generation, which as we will 

see below is not always the case. Another point to observe in the table is the geothermal 

capacity, which falls by about 600MW when we go from the Medium intermittent scenarios 

to the High intermittent scenarios.  

The simulated NIWA wind data that we use covers only 5 years from 2004-2008, which 

limits our choice of which years to run market simulations. We would like to compare the 

market performance for a ‘dry’ year to a ‘wet’ year. Examining the data, we choose 2006 

meteorological conditions as a ‘dry’ year and 2004 as a ‘wet’ year.  

After looking at the market impact of the scenarios outlined we here, we tweak these a bit in 

Section 5 to try to see how we can get closer to 100% renewables in the NZEM and the 

market impact. We simulate prices for 12 trading periods each day over a whole year. 

 

4. Market Simulation: Results 

Figure 5 shows the prices for each of the simulated trading periods over the course of “2006” 

for one of the scenarios (Medium Wind). The average price over the years is $66/MWh but 

there are also significant price spikes due to four outage hours (priced at VOLL) and times 

when the demand side response is needed - priced at $1000/MWh. 

 

 

Figure 5: Prices over the year for the Medium wind scenario for 2006 climate conditions.  

 

Table 3 shows the average nodal prices (which are very close to demand weighted prices) in 

$/MWh for the different simulations. As seen in Table 3 each of the intermittent scenarios has 

some outage hours. To put the number of outage hours into perspective, competitive 

electricity market theory (Stoft, 2002) argues that some outage hours are optimal. These 
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should be enough to pay for the fixed costs of a peaker operating only during rolling 

blackouts. For the NZEM peaker costs are about $14/MWh corresponding to the optimum 

number of outage hours of about 40 per year.11 The actual prices for 2004 and 2006 are also 

in the table for interest; however, since the demand and the generation mix is different there 

is no good reason to expect these to have a direct relationship to the simulated prices except 

that the dry year simulated prices should be higher than the wet year ones.  

 

Senario 

Average Price 
($/MWh) 

Outage 
Hours 

Price Including 
VOLL ($MWh) 

Percent 
price is zero 

Renewable 
share % 

2004 2006 2004 2006 2004 2006 2004 2006 2004 2006 

Historic12 44 93 0 0 44 93     

Baseline 56 71 0 0 56 71 10.0 10.2 86.1 83.5 

Med Wind 48 66 2 8 49 69 33.0 33.6 94.5 93.5 

Med Solar 77 79 14 24 81 87 24.5 31.0 93.3 93.8 

High wind 33 47 50 18 51 53 42.6 41.4 98.3 95.2 

High 
Solar/Wind 

41 51 218 46 115 67 
38.3 45.5 

97.0 95.3 

 

Table 3. Average annual prices, percent prices are zero and renewable share for different scenarios 

and different years. 

 

Looking at the average price column in Table 3 it can be seen that both high intermittent 

scenarios deliver low cost prices (which are dispatch costs). This is due to two factors as will 

be seen below. The first is due to the merit order effect - there is often an oversupply of zero 

cost must run generation and the intermittent wind and or solar which leads to a price of zero. 

The second is that both high intermittent generation scenarios have good capacity factors 

going into winter and have higher lake levels and hence lower water values during winter. 

Turning now to the column of prices including VOLL, it can be seen that the High 

Solar/Wind scenario pays a heavy price for outage hours during the winter peak demand 

when solar has little or no generation. Examining the renewable share, there is a substantial 

increase in the renewable share when we go from the baseline to both the Medium 

intermittent generation scenarios but much less when the effective intermittent capacity 

increase by 62.5% to the High intermittent scenarios. There are two reasons for this. The first, 

as will be seen below, is that there is often oversupply and wind and or solar is spilled. The 

second is that to accommodate the extra intermittent generation for the High scenarios GEM 

reduced geothermal capacity, so to some extend the different renewable generation are 

substituting rather than increasing the overall share. None-the-less the total renewable 

generation for the High scenarios are around 97%, avererageing over the two years, which is 

close to the share envisaged by the Productivity Comission (2018) by 2035.  

                                                           
11 We refer to these hours as outage hours, however as noted above the $3000/MWh  price spike may be 
generated by other means. 
12 Inflation adjusted to 2012 $NZ. Note that the historic price in 2004 and 2006 are not directly comparable to 
the simulated prices as demand and capacity mix are both different. 
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We turn now to consider dispatch for the High Solar/Wind scenario with 4000MW of wind 

and 5800MW of solar capacity. In summer (Figure 6(a)) there is an oversupply of solar, 

demand is low and there is a lot of spill particularly durng the day, and the price is zero 

almost the whole week for every hour. In winter it is clear that during the morning and 

evening peaks wind and other generation struggles to meet demand (Figure 6(b)). In fact 

there are outage hours in the week previous to that shown. All the high intermittent scenarios 

see a lot of hours with oversupply and hence spill. In the mixed High Solar/Wind scenario 

about 30% of intermittent is spilled (or equivalently other must-run generation is spilled if 

solar cannot be spilled for technnical reasons). Overall about 25% of wind is spilled in the 

High wind scenario. This of course excarbates possible investment shortfalls as the LRMC of 

additional intermittent generation is high due to low capacity factors as highlighted by the 

ICCC (2019) analysis.  

 

  
 

Figure 6. (a) Dispatch in Summer 2006 from Jan 1- Jan 7 for 4000MW wind plus 5800MW solar (left) 

and (b)  in winter from July 29th- August 4  (right) 
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Figure 7. Average weekly solar and wind dispatch (from Jan 1) (net of spill in MW) for 2006 for the 

High Solar/Wind intermittent scenario. 

Turning now to examining the pattern of solar and wind in the High Solar/Wind scenario 

over the course of a year, it can be seen that to some extent solar output and wind output act 

as complements, with higher solar and lower wind dispatch in summer and high wind and 

low solar output in winter (Figure 7). Unsuprisingly, Figure 8 shows a similar pattern to the 

monthly capacity paths in Figure 3. 

Inspecting Figure 8 (a) reveals some interesting trends for the lake level dynamics Firstly all 

the 2035 scenarios have lower lake levels in winter than the historic levels reflecting much 

higher demand during 2035. Our initial hope was that solar would work well with hydro,  as 

seen in Figure 7. During summer months when solar has relatively high capacity factors there 

would be less need for hydro generation and lake levels would remain higher for winter 

generation. In effect the hydro storage lakes would be acting as a battery allowing solar 

production in summer to be used later in the year.  

For the dry year solar does indeed substitute for hydro in summer and autumn, particularly in 

the higher intermittent generation scenario with extra wind added in,  however going into 

winter the capacity factor of solar decreases rapidly, which means that hydro generation and 

or thermal generation has to increase. For the high intermitent solar/wind scenarios ( in the 

long run equilibrium) there is less installed  geothemal which puts more of a burden on hydro 

to make up for the reduced solar capacity factor in autumn and winter. This in turn means the 

outflows increase in winter which leads higher outflow and the lake levels are about the same 

for all scenarios by the end of the year. One feature that is surprising is that the high 

intermittent scenarios have higher lake levels than the other scenarios for much of the winter 

and late autumn. In section 2 we suggested that the statistical patterns of wind generation 

with lower generation during dry years and average capacity factors lower for the months 

leading up to winter could exacerbate the dry year problem. Instead the opposite seems to be 

the case here. It turns out that the year 2006 doesn’t follow this trend. Over the 20 years of 

wind simulation reported by Staffell and Poletti (2019) the year 2016 has the second highest 

equal wind output – paradoxically tied with 2004. Thus we do-not expect this pattern to be 

the same across different meteorological years. One thing that emerges, and we expect will be 

true in general, is the seasonal imbalance is exacerbated by the higher demand expected in 

2035. All scenarios see lower lake levels in winter and at the end of the simulations compared 

to the historical pattern. There is clearly a need for some form of seasonal storage as 

suggested by Transpower (2018). Dispatch of hydro cannot exceed historical dispatch every 

year. Instead some of the intermittent generation that is spilled in summer needs to generate 

stored enery such as hydrogen for use in winter.  
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Figure 8: (a) Lake Levels (top) and (b) weekly average prices for the 2006 (meteorological “dry year”) 

market simulation. All graphs start at Jan 1. 

 

In these scenarios average prices peak in winter due to lake levels that are low for this time of 

the year (Figure 8(a)). Finally returning to Table 3 we can see that the High Wind scenario 

performs particularly well. It generates the highest renewable share at least cost of dispatch, 

particularly when we price outage hours at VOLL. Whilst there are attractive features of the 

mixed High Solar/Wind scenario, in the end the lack of solar generation when it is most 

needed, in the evening peak-demand periods in winter, counts against it. Accommodating 

solar would require more peaking plants, or storage to cover these periods, especially if the 

regulators are uncomfortable with a system that sees regular outage hours every year. The 

outage hours contribute to fixed cost recovery for all scenarios.  It should be said though, that 

the higher prices generated with large amounts of solar do give an opportunity for firms to 

cover their investment costs so there is a trade-off that policy makers need to take into 

account.  
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The average price and lake level dynamics diagrams for the ‘wet’ year 2004 are in Appendix 

B. They are qualitatively similar to those for 2006 discussed here. Lake levels are higher in 

winter and spring for the High Wind and High Solar/Wind scenarios, which in turn leads to 

lower prices. There are similar seasonal supply imbalances as well. There is a small amount 

of evidence that solar does mitigate the dry year problem as hoped. For the High Solar/Wind 

scenario there are 218 outage hours for the wet year 2004, which drops dramatically for the 

dry year to 48. However, the High Wind scenario also sees a similar drop in outage hours so 

it is hard to draw any firm conclusions. 

 The high intermittent scenarios have the share of renewable generation varying between 

95%-98%, which is still short of the government’s target of 100%. In the next section we 

look at a couple of scenarios where we do achieve the near zero carbon emissions target set 

forward by the government.  

 

 

5. Market Simulation: Moving closer towards 100% Renewable. 

The results in section 4 show that moving from the baseline to the medium intermittent 

scenarios increases the amount of renewable generation from an average of 85% to an 

average of 94%. However increasing the amount of intermittent wind or solar further made 

very little difference to the renewable share of generation. The reason for this is that GEM 

builds about 622MW less of renewable geothermal generation so there is a substitution 

between the extra wind or solar and geothermal. Furthermore, the capacity factors for the 

intermittent generation decrease due overbuild and excess generation at times. To move 

closer to a 100% renewable system it is clear that we need to include even more renewable 

generation in the mix, and relax our effective capacity/peak demand constraint. The results 

from the last section suggest that the gains from adding more solar or wind are likely to be 

modest. Instead, in this section we explore another option, which is to restore some or all of 

the geothermal capacity dropped by the GEM in moving from the medium intermittent to the 

high intermittent scenarios.  

The three scenarios we consider here start with the most promising high intermittent scenario 

(High Wind) and add extra geothermal. For the first one we increase geothermal capacity by 

300MW and in the second by 600MW. The third scenario examines the “utility death spiral” 

where, starting from the baseline, households build a large amount of solar - equal to the 

amount of solar in the Medium Solar scenario. This is a plausible scenario, if price increase 

as suggested by the Productivity Commission and solar PV costs continue to decline rapidly. 

 

Scenario MBIE ICCC 

Transpower 
Average of 
2030 and 
2040 

High 
Wind 

High Wind 
and 600MW 
geothermal 

High wind 
and 300MW 
geothermal 

Solar/Wind 
Utility 
Death 
Spiral 

Wind 18% 19% 18% 38% 31% 34% 24% 10% 

Gas 9% 0% 9% 4% 2% 2% 4% 7% 
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Geothermal 30% 28% 30% 14% 24% 19% 14% 14% 

Hydro 40% 49% 40% 45% 44% 44% 45% 47% 

Solar 3% 4% 3% 0% 0% 0% 13% 0% 

Renewable 91% 100% 91% 96% 98% 0% 96% 22% 

TOTAL 
(TWh) 

48 49 48 49 49 48 47 46 

 

 Table 4: Renewable share for different very high renewable scenarios and different years. 

 

 

Senario 

Average Price 
($/MWh) 

Outage 
Hours 

Price Including 
VOLL ($MWh) 

Percent 
price is zero 

Renewable 
share % 

2004 2006 2004 2006 2004 2006 2004 2006 2004 2006 

Historic13 44 93 0 0 44 93     

Baseline 56 71 0 0 56 71 10.0 10.2 86.1 83.5 

Med Wind 48 66 2 8 49 69 33.0 33.6 94.5 93.5 

High wind 33 47 50 18 51 53 42.6 41.4 98.3 95.2 

High wind 
+300MW 

geothermal 
23 27 26 4 32 28 

 
38 

 
51 98.7 97.5 

High wind 
+600MW 

geothermal 
15 19 8 4 17 20 

 
60 

 
61 98.9 98.7 

Baseline + 
5800MW 

solar 
27 28 0 0 27 28 

 
30 

 
35 95.9 94.3 

 

Table 5. Average annual prices, percent prices are zero and renewable share for different very high 

renewable scenarios and different years. 

 Table 4 and 5 summarises the results from the very high renewable simulations. Building 

more geothermal pushes the renewable share up to between 98-99%. The Utility Death Spiral 

scenario also gives a very high share of renewable energy at 95% but not as high as the High 

Wind. It does though see extremely low prices, with both the geothermal scenarios having 

even lower prices. In the previous section prices for some of the high intermittent scenarios 

were well below current market prices (including the VOLL correction), and below the long 

run marginal costs for new wind and geothermal (around $70/MWh). Although these prices 

are below LRMC for the high amounts of renewable generation seen in the previous section 

they are perhaps surprisingly high. Scarcity pricing of $999 for demand response (DSR) and 

VOLL pricing ($3000/MWh) kept average prices remarkably high - despite prices being zero 

30-40% of the time.  However pushing even more low cost renewable to reach the extra few 

                                                           
13 Inflation adjusted to 2012 $NZ. 
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percent extra renewable needed to get close to the 100% target sees prices collapse. The 

scatter diagram summarise the state of play (Figure 9). 

 

 

Figure 9: Scatter plot of renewable share and prices for high and very high renewable scenarios. 

It is clear that the current Energy-only market design is not well suited to the extremely high 

renewable share envisaged by the Productivity Commission. In our view, the NZEM design 

should move away from an Energy-only market and towards a price support scheme such as a 

Capacity Market. Particularly, since in our view it is unlikely that regulators and government 

would support an Energy-only market, which relies on regular outage hours to sustain high 

prices, which we find here. On the other hand, consumers would welcome lower electricity 

prices. The policy challenge is find the right balance.  

 

6. Conclusions and Policy Implications 

Using a cost based dispatch model, we analysed the market impact of high renewable 

scenarios. We included lake level dynamics in the analysis, which helped understand the 

complex interaction between hydro storage and the impact of very large amounts of 

renewables. Our analysis confirms that the increase in demand and the pattern of intermittent 

generation leads to a seasonal supply imbalances.  

The work here is the first direct simulation of market prices for the high renewable scenarios 

expected in 2035, as opposed to estimating prices based on the LRMC of the marginal 

capacity build. The high intermittent generation did have a positive impact on lake levels, 

which is one of the reasons for lower prices in these scenarios. However, there is a caveat, as 

noted above, that 2004 and 2006 had higher wind capacity factors than usual. When solar is a 

large part of the mix, the extra outage hours during evening peaks with VOLL pricing pushed 

prices higher. This more than countered the merit order effect with the overall result that 

prices were much higher than the baseline scenario. Of the two medium scenarios (Wind and 

Solar) Wind performed better in terms of lower prices, lower outage hours and a higher share 

of renewables. For the high intermittent scenarios, High Wind on its own performed better 

than High Solar/Wind with lower dispatch costs. However, the mixed High Solar/Wind 
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scenario could well perform better with even modest battery storage. The outage hours were 

all during the winter evening peak when no solar is available. This is something we plan to 

investigate in the future. 

Whilst scarcity pricing kept prices remarkably high, even with zero prices a large fraction of 

the time, prices are still below LRMC of new generation for the high renewable scenarios. If 

even more renewable generation is added, prices are driven down well below LRMC. In our 

view, a market design that includes price support in some form is needed to sustain 

investment. 

It is important to recall here one modelling choice we made sustains reasonably high prices, 

which was the constraint that the effective capacity/peak ratio was 1.22. This leads to 

baseline prices similar to the present market. Without this constraint, GEM would build a 

similar capacity mix for the baseline but considerably more peakers for the high intermittent 

scenarios. This lowers prices for two reasons: the first is that there is no outage hours and 

hence no VOLL scarcity rents; and the second is that there are less DSR price spike. For the 

solar scenarios there would be even more peakers (and or batteries) and solar scenario prices 

would fall dramatically with significant decrease in VOLL scarcity rents. The share of 

renewables would stay almost the same in these scenarios, as these peakers would generate 

for a small number of hours only. As noted above a market design that depends on VOLL 

pricing for returns to investment is likely not to be popular. If one of the market constraints is 

there should be no outage hours prices would be even lower than the prices than modelled 

here. This illustrates the tension discussed in the introduction perfectly. To obtain higher 

shares of renewables we had to relax the effective capacity/peak ratio constraint to be higher 

than 1.22 by adding in more geothermal. Not surprisingly, prices fell even further. 

Adding more intermittent generation, to ensure no outage hours, pushes up the LRMC but 

market prices are pushed down, via the merit order effect. Hence, the case would be even 

stronger for a market with price support, such as a capacity market. Another way to reduce 

the number of outage hours would be with some storage, which again would mean less price 

spikes and lower prices with increased battery costs.  

The results presented here are in line with those discussed in the introduction for other 

countries – large penetration of renewables makes it hard to recover investment costs (Frew 

et al. , 2016; Martinez-Anido, Brinkman, and  Hodge , 2016; Helistö, Kiviluoma, and 

Holttinen, 2017).  

Our work suggests that there is strong argument for a redesign of the New Zealand electricity 

market to enable investment cost recovery in the face of an increasing share of low cost 

intermittent generation. There is a growing literature on the need for some kind of price 

support such as a capacity market in these circumstances. In a capacity market, the system 

operator sets the effective capacity target and calls for bids in MW of new build, which 

determines the price of capacity14. Newberry et al. (2018) argue for capacity payments in the 

European context to facilitate very high penetration of renewables. They also argue that 

                                                           
14 For example to achieve the very high 98% renewable target the system operator could set the effective 
capacity target to be the same as our High wind+600MW geothermal scenario. With thermals priced out of the 
market, due to a high carbon tax, the new generation bids would be renewable. However, the system operator 
does not explicitly choose the technology (eg geothermal). However, since there are sufficient cheap 
geothermal resources, it is likely that there would be substantial geothermal build.  



23 
 

existing market design and renewable support schemes are “reaching the end of the road” and 

“cannot adequately cope with the scale of Europe’s COP21 climate commitments”. A view 

with which we concur. We are not in favour of renewable support schemes such as direct 

subsidies or a portfolio approach as we think they are expensive and cumbersome, especially 

as renewable shares get close to 100%.  For the US, Joskow (2019) writes, “reforms in 

capacity markets and scarcity pricing mechanisms are needed if policy-makers seek to adapt 

the traditional wholesale market designs to accommodate intermittent generation at scale.”  

Fabras (2018) uses a theoretical model to show that a capacity market can achieve the 

socially optimum outcome.15  

A closely related literature focuses on capacity market designs to solve the “missing money” 

problem for Energy Only markets - which have price caps to mitigate market power 

(Cramton, Ockenfels, and Stoft, 2013). There are, however, other market designs that would 

help solve the missing money problem. One that we think has a great deal of merit is that 

suggested by Hogan (2013). The system operator sets a price when demand and supply are 

tight with the price ramping up eventually to VOLL. This sets a scarcity price well before 

there is a need for rolling outages. Current government policy to achieve renewable 

generation is by setting a carbon price, which is unlikely to effective in a 100% (or close to 

100%) renewable system as there would be none or little thermal generation.  

To sum up our key conclusions are. (1) We are the first study to model market prices for the 

NZ electricity market for very high renewable scenarios - keeping track of lake levels and 

water values dynamically over a year. (2) Of the high intermittent scenarios, the High Wind 

scenario performs better than a combination of wind and solar. (3) We find that increased 

solar output in summer during a dry year event is not enough to substantially mitigate low 

inflows to the hydro dams. (4) We show that adding extra geothermal to the mix can bring the 

system close to 98% renewable. (5) As we get closer and closer to 100% renewable prices 

market prices collapse making investment cost recovery challenging with the current market 

design (even with some outage hours which give price spikes). (6) Our modelling supports 

the case for a change in market design to achieve very high renewable generation with 

investment cost recovery.  

The scenarios examined here for NZ achieve very high renewable generation in New 

Zealand, however at the cost of significant spill, as is the case for nearly every other 

electricity market using very high intermittent generation. New Zealand is a bit different to 

other markets in that it is isolated with no grid connections to other countries. For example 

increased capacity on the European interconnectors could see excess wind in one area (Spain 

for example) used in other areas where the wind is not blowing (Germany for example). 

However, on the plus side the hydro lakes act, to some extent as batteries offsetting 

intermittent variability.  As noted above storage technology will likely be part of the future. It 

is expensive, but so too is the need for excess renewable capacity, and battery costs are 

reducing. In further work we intend to examine these trade-offs in more detail, bringing daily 

and seasonal storage into the mix and extending the analysis to more meteorological years.  

In future work we will also examine what the optimal mix of geothermal, wind and solar 

should be with seasonal storage.  

                                                           
15 See also Llobet and Padilla, (2018). 
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Appendix A: Solar Data Preparation 

The solar data (NIWA, 2014) we use is the solar radiation on a horizontal surface. In this 

section, we explain the method to convert the global radiation on the horizontal plane to the 

global radiation on the inclined surface using the Olmo et al. (1990) model. Notton et al (2004) 

found that Olmo model provides satisfactory results and requires few input parameters. The 

model calculates global irradiance incident on the tilted plane as: 

2 2exp( ( ))h t sG G k       

Where, Gh is the global radiation on the horizontal plane,  is the scattering angle or incident 

angle which is the angle between normal of the tilted panel and sun radiation,  kt is the 

clearness index which is the ratio of the Gh to the hourly extra-terrestrial irradiation (I0 ) 

received on the horizontal plane. The incident angle is calculated from (Iqbal, 1983): 

( ) ( )* (L )* (H) sin( )*sin(L )cos cos cos cos             

Where δ is the declination angle, L is the latitude of each site, and α is the angle of 

the panel from the horizontal surface and H is the hour angle.  

Appendix B: Lake Level and Price diagrams for 2004 simulations 

(A1) 

(A2) 
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Figure B1: (a) Lake Levels (top) and (b) weekly average prices for the 2004 (meteorological “dry 

year”) market simulation. All graphs start at Jan 1. 

 

Appendix C Generation assumptions for market solver: 

The table below lists each generator, with node, technology, capacity, marginal costs and 

must run generation for the 6500MW wind scenario. The node locations are described in 

Young et al. (2014). 

GENERATORS 
(Model Name) Node Technology 

Capacity 
(MW) 

Fuel Cost 
($/MWh) 

R&M 
costs 
($/MWh) 

Must Run 
Generation 
(MW) 

HL0 HLY CCGT 339 57 4 0 

HL1 HLY OCGT 44 77 8 0 
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ST0 OTA OCGT 40 73 8 0 

KA0 NPL Co-Gen 22 75 6 0 

HA0 ROX Co-Gen 62 75 6 0 

TE0 WKM Co-Gen 39 102 6 0 

ST1 NPL OCGT 176 70 8 0 

WH0 WHI Peaker 136 307 10 0 

WA1 WKM Geothermal 14 4 5 14 

OH0 WKM Geothermal 69 4 5 69 

RO0 WKM Geothermal 34 4 7 34 

PO0 WKM Geothermal 53 4 4 53 

NG0 WKM Geothermal 25 4 5 25 

KA1 WKM Geothermal 90 4 5 90 

MO0 WKM Geothermal 115 4 10 115 

TA1 WKM Geothermal 20 4 6 20 

KI0 WKM Co-Gen 40 97 12 0 

GL0 OTA Co-Gen 74 8 10 0 

WA2 WKM Hydro 972 0 6 364 

BO0 WKM Hydro 128 0 6 48 

HB0 WHI Hydro 117 0 6 44 

TA2 NPL Hydro 21 0 6 8 

BT0 TKU Hydro 267 0 6 100 

WG0 HAY Hydro 28 0 6 11 

NM0 STK Hydro 35 0 6 13 

CH0 ISL Hydro 55 0 6 20 

WT0 TWZ Hydro 1496 0 6 561 

CL0 ROX Hydro 634 0 6 238 

WA3 HWB Hydro 44 0 6 17 

DE0 HWB Hydro 3 0 6 1 

FL0 MAN Hydro 189 0 6 0 

HA1 TWZ Hydro 15 0 6 6 

SI1 TWZ Hydro 75 0 6 28 

TE1 BPE Wind 90 0 6 90 

TA3 BPE Wind 68 0 6 68 

TA4 BPE Wind 93 0 6 93 

WH1 TIW Wind 58 0 6 58 

TE2 BPE Wind 49 0 6 49 

WE0 HAY Wind 143 0 6 143 

TE3 WKM Wind 64 0 6 64 

MA0 BPE Wind 36 0 6 36 

ST2 HWB Wind 8 0 6 8 

IL0 OTA DSR 160 0 999 0 

TE4 WKM Geothermal 114 4 6 114 

AM0 IGH Hydro 6 0 6 6 

RO3 WKM Geothermal 130 4 6 130 

KA2 WKM Geothermal 50 4 6 50 

MO1 WKM Geothermal 40 4 6 40 
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TE5 WHI Wind 225 0 6 0 

DI2 MDN Peaker 88 233 10 0 

D12 WKM Peaker 88 233 10 0 

CA2 BPE Wind 600 0 6 0 

DS0 MDN DSR 8 0 999 0 

DS1 HEN DSR 6 0 999 0 

DS2 OTA DSR 40 0 999 0 

DS3 WKM DSR 17 0 999 0 

DS4 WKM DSR 14 0 999 0 

DS5 WHI DSR 8 0 999 0 

D25 ISL DSR 22 0 999 0 

D26 ROX DSR 8 0 999 0 

D27 TIW DSR 5 0 999 0 

IL1 OTA DSR 50 0 999 0 

DI8 HLY Peaker 88 233 10 0 

D15 WHI Peaker 88 233 10 0 

TU0 BPE Wind 303 0 6 0 

MO5 WHI Wind 16 0 6 0 

RE6 MDN Wind 20 0 6 0 

PU0 HWB Wind 120 0 6 0 

AH0 MDN Wind 99 0 6 0 

PU1 BPE Wind 318 0 6 0 

DS6 NPL DSR 4 0 999 0 

DI5 OTA Peaker 88 233 10 0 

DI9 WKM Peaker 35 286 5 0 

MI1 HAY Wind 60 0 6 0 

BE0 HAY Wind 80 0 6 0 

CA1 STK Wind 125 0 6 0 

CE0 TKU Wind 125 0 6 0 

W13 BPE Wind 156 0 6 0 

DS7 BPE DSR 10 0 999 0 

IL2 OTA DSR 50 0 999 0 

DI0 MDN Peaker 35 286 5 0 

TI1 WHI Wind 45 0 6 0 

T10 WKM Wind 100 0 6 0 

CA0 ISL Wind 50 0 6 0 

AW0 OTA Wind 18 0 6 0 

HA6 HLY Wind 504 0 6 0 

PO3 MDN Wind 300 0 6 0 

TE6 NPL Wind 10 0 6 0 

W12 HAY Wind 30 0 6 0 

HU7 ISL Wind 76 0 6 0 

LA2 STK Wind 4 0 6 0 

NG2 BPE Wind 45 0 6 0 

GW0 OTA Wind 40 0 6 0 

DS8 HAY DSR 15 0 999 0 
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DI3 OTA Peaker 35 286 5 0 

D13 WHI Peaker 35 286 5 0 

D18 NPL Peaker 88 233 10 0 

D21 HAY Peaker 88 233 10 0 

T11 WKM Wind 44 0 6 0 

GW1 HLY Wind 100 0 6 0 

GW2 HLY Wind 200 0 6 0 

GW3 WKM Wind 100 0 6 0 

DS9 STK DSR 0 0 999 0 

HA2 ROX Wind 150 0 6 0 

HA3 ROX Wind 160 0 6 0 

HA4 ROX Wind 160 0 6 0 

HA5 ROX Wind 160 0 6 0 

LO1 HAY Wind 13 0 6 0 

RO7 MDN Wind 250 0 6 0 

TI2 TIW Wind 80 0 6 0 

MA5 IGH Wind 5 0 6 0 

GW4 NPL Wind 100 0 6 0 

GW7 STK Wind 40 0 6 0 

D28 MDN DSR 8 0 999 0 

MA4 BPE Wind 164 0 6 0 

KA8 BPE Wind 240 0 6 0 

RO8 ROX Wind 8 0 6 0 

SL0 HWB Wind 150 0 6 0 

GW5 BPE Wind 100 0 6 0 

GW6 BPE Wind 100 0 6 0 

GW8 ROX Wind 100 0 6 0 

 

 


